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Abstract: Currently, volume fracturing of horizontal wells is the main technology for shale oil
development. A large amount of fracturing fluid is injected into the formation, but the flowback
efficiency is very low. Besides, the impact of fluid retention on productivity is not fully clear. There
is still a debate about fast-back or slow-back after fracturing, and the formulation of a reasonable
cleanup scheme is lacking a theoretical basis. To illustrate the injected-fluid recovery and production
performance of shale oil wells, an integrated workflow involving a complex fracture model and
oil-water production simulation was presented, enabling a confident history match of flowback data.
Then, the impacts of pumping rate, slick water ratio, cluster spacing, stage spacing and flowback
rate were quantitatively analyzed. The results show that the pumping rate is negatively correlated
with injected-fluid recovery, but positively correlated with oil production. A high ratio of slick water
would induce a quite complex fracture configuration, resulting in a rather low flowback efficiency.
Meanwhile, the overall conductivity of the fracture networks would also be reduced, as well as the
productivity, which indicates that there is an optimal ratio for hybrid fracturing fluid. Due to the
fracture interference, the design of stage or cluster spacing is not the smaller the better, and needs
to be combined with the actual reservoir conditions. In addition, the short-term flowback efficiency
and oil production increase with the flowback rate. However, considering the damage of pressure
sensitivity to long-term production, a slow-back mode should be adopted for shale oil wells. The
study results may provide support for the design of a fracturing scheme and the optimization of the
flowback schedule for shale oil reservoirs.

Keywords: complex fracture; flowback; productivity; numerical simulation; shale oil

1. Introduction

In recent years, the rapid development of horizontal volume fracturing technology has
made shale oil another unconventional resource with huge potential value for industrial
exploitation [1]. Through large-scale staged fracturing, hydraulic fractures can communi-
cate and expand natural fractures, or induce the creation of secondary micro-fractures. In
this way, complex interconnected fracture networks are formed to increase the stimulated
volume, resulting in a great expansion in productivity [2]. Unlike conventional reservoirs,
shale oil reservoirs use slickwater as fracturing fluids, which reduces costs and contributes
to complex fractures due to their low viscosity [3]. Field data show that tens of thousands
of cubic meters of fracturing fluids are injected underground, but the flowback efficiency is
extremely low, leaving a large amount of water permanently trapped [4].

Current researche shows that matrix imbibition and complex fracture closure are the
main mechanisms of fracturing fluid retention in shale reservoirs: (1) in terms of matrix
imbibition, Dutta observed the water phase imbibition process in tight cores by using real-
time CT scanning technology and proposed that the low flowback efficiency was mainly
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affected by rock permeability, capillary force and heterogeneity [5]. Lin carried out NMR
experiments on spontaneous imbibition of shale and found that the water retention was
not only controlled by capillary force but also related to chemical osmotic pressure [6].
In addition, the factors affecting the imbibition of fracturing fluid into the deep reservoir
included water-rock contact area, initial water saturation and forced pressure [7,8]. (2) In
terms of fracture closure, McClure M analyzed how natural fracture closure was one of
the important mechanisms for fracturing fluid to be trapped underground [9]. By using
analytical methods to study the dynamic flowback characteristics of a horizontal well,
Ezulike and Fu found that the hydraulic fracture networks were mainly composed of un-
propped fractures, and the closure of these fractures would block the channels of fracturing
fluid flowing to the wellbore [10,11].

Although the above studies have explained the reasons for low flowback efficiency
in tight reservoirs from different perspectives, there is still a lack of clear understanding
of the impact of water retention on shale oil production. Some scholars believed that the
interaction between water and shale may be beneficial to increasing hydrocarbon pro-
duction. Alamdari and Wang studied the impacts of reservoir wettability and natural
fractures on imbibition and oil drainage and believed that the initial productivity could be
improved through spontaneous imbibition of water in water-wet reservoirs or reservoirs
with natural fractures [12,13]. Wang used a nano-oil displacement agent to achieve wetta-
bility reversal of oil-wet reservoir, and also observed oil drainage function by imbibition
of water [14]. Dehghanpour found that hydration swelling of clay minerals can induce
new micro-fractures and increase shale permeability [15]. However, other scholars held
that the invasion and retention of fracturing fluid may cause damage to shale reservoirs:
Bennion considered that matrix imbibition of unconventional reservoirs would increase
water saturation near the fracture area, which could easily cause water lock and reduce
hydrocarbon phase permeability [16]. Wang also drew a similar conclusion, noting that
although the imbibition effect could improve initial production, it did not significantly
increase ultimate recovery [17]. In addition, the reduction of rock permeability caused by
scaling or other precipitations during fracturing fluid invasion could also affect production
performance [18,19].

The flowback behaviors in shale wells have been mainly studied in three ways: lab-
oratory experiment, analytical model and numerical simulation. The core imbibition
experiment can simulate the fluid migration law during well shut-in and cleanup peri-
ods [5,6], but the experimental conditions are still quite different from the actual shale
reservoir environment. Thus, it is difficult to clarify the flowback performance and its
impact on productivity under real engineering conditions [20]. The analytical model based
on rate transient analysis can predict flowback efficiency and well productivity [21], but
there are limitations such as homogeneous reservoir description and simplified fracture
characterization [22]. The numerical simulation method can take into account the impacts
of imbibition and pressure-sensitivity and it is suitable for the mechanism study of oil
and water migration in porous media [23]. Therefore, it is a practical method to study
macroscopic flowback behaviors currently.

Still, the established numerical models have failed to simulate the flowback and
production processes following hydraulic fracturing treatment accurately: (1) The injected
fluid (then imbibed, retained or recovered) is directly contacted with complex fracture for
a long time, so the properties of the fracture system are the key to determine the fluid
distribution and migration. However, the fracture system formed by volume fracturing has
strong heterogeneity in spatial distribution, geometric configuration, fracture conductivity
and other properties, which is difficult to be successfully depicted [24]. Hydraulic fracture
modelling is the deterministic approach to describing complex fractures. Compared with
micro-seismic monitoring, numerical simulation has a lower operating cost and wider
application scope. Besides, the simulated fracture system is based on geological data
and treatment parameters, which leads to more practical and reliable fracture properties
than that with the orthogonal or discrete fracture model [2]. Nevertheless, the integrated
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simulation combining fracturing treatment and flowback process has not been reported.
The former focuses on fracture mechanics, while the latter focuses on seepage behavior.
(2) It is also a problem to present the initial distribution of injected fluid after fracturing.
The fluid transfer between fracture and matrix has begun from the pumping process and,
at the end, the water-cut near the fracture has increased to a certain extent [25]. Moreover,
the loss of fracture volume (fracture closure) during fluid recovery has also been rarely
reported. We believe the pumping operation and fracture closure should be related to
fluid flowback and production performance. (3) Recently, studies have mainly focused on
fracture complexity and its impact on water recovery and productivity. The immediate
impacts of treatment parameters such as the pumping rate and the ratio of slick water have
not been reported yet.

In this paper, an integrated workflow was proposed to combine complex fracture mod-
elling and oil-water production modelling. By complete consideration of shale geological
mechanics, matrix imbibition and fracture closure, the whole migration of fracturing fluid
from pumping to cleanup to production was simulated, as well as the history-match of
flowback data gathered from the Jimsar shale oil reservoir in China. Then, the impacts
of different engineering factors on fluid recovery and oil production were quantitatively
studied. This work provides a theoretical basis for understanding the distribution of frac-
turing fluid, flowback efficiency and its impact on productivity, with a view to guiding a
reasonable flowback schedule and promoting the efficient development of shale oil.

2. Methodology
2.1. Model Description

This section describes three parts. First, the single porosity model is used to study the
fluid flow for a shale oil well. Next, complex fracture modelling is adopted to generate a
fracture network. Finally, a pressure-sensitivity model is proposed to characterize the fluid
distribution and fracture closure. Together they form a workflow to simulate the flowback
and production processes following fracturing.

2.1.1. Governing Equations of Fluid Flow

The key assumptions for building this fluid flow model are shown here. (1) The
stimulated reservoir area includes two systems (matrix and complex fracture) and outside
the stimulated area is assumed to be a single media (matrix). (2) Oil and water flow in
the matrix and fracture systems conform to Darcy’s law, and gas exsolution from oil is
negligible at reservoir conditions. (3) The matrix system considers the capillary imbibition
effect, which is negligible in the fracture system. (4) Fluid and rock are both slightly
compressible. The matrix system considers pressure-dependent permeability, and the
fracture system considers porosity and permeability. (5) The fluid flow is an isothermal
process. The governing equations of oil and water flow are as follows:

∂

∂t
(∇Soρoφ) +∇(ρovo) + qo = 0 (1)

∂

∂t
(∇Swρwφ) +∇(ρwvw) + qw = 0 (2)

Auxiliary equations:
Sw + So = 1 (3)

Pc = Po − Pw (4)

where So, Sw are the saturation of oil and water phase; ρo, ρw are the density of oil and water
phase; Φ is the effective porosity; vo, vw are the volumetric velocity of oil and water phase;
qo, qw are the sink or source term of oil and water phase per unit reservoir volume; and Pc,
Po and Pw are the capillary pressure, the pressure of oil and water phase, respectively.



Processes 2022, 10, 1749 4 of 13

2.1.2. Complex Fracture Modelling and Gridding

The unconventional fracture model (UFM) is adopted to simulate the complex fracture
configuration of fractured shale from a commercial simulator with coupled geomechan-
ics features [26]. In UFM, the generated fracture system fully considers shale physical
properties, in situ stress, natural fractures and the interaction between hydraulic fractures
and natural fractures [27]. The detailed properties of the basic model are derived from
a typical shale oil well with 27 fracture stages in Jimsar sag, Xinjiang, China. To skip
the huge calculation problem, this work is conducted with a single or partial segment of
the whole horizontal interval, and the results can be scaled back to the whole stimulated
well [22]. The simulated segment scale is 460 m × 500 m × 60 m. Also, the upper and
lower barriers adjacent to the oil layer are set. According to logging interpretation and
related reports [25,28], input parameters of shale physical and mechanical properties are
summarized in Table 1, and discrete natural fracture parameters are illustrated in Table 2.
In addition, the complete parameters of the typical well are shown in Table 3, to simulate
the fracture propagation during the pumping process under field conditions. Based on
the generated 3D fracture properties, an auto-gridding method is used to generate the
unstructured grid from UFM [29].

Table 1. Basic reservoir input parameters.

Parameters Upper Barrier Oil Layer Lower Barrier

Initial reservoir pressure, MPa 37 37 37
Reservoir thickness, m 20 20 20

Matrix porosity 0.03 0.11 0.03
Matrix permeability, mD 0.001 0.01 0.001

Matrix initial water saturation 0.7 0.2 0.7
Minimum horizontal stress, MPa 54 52 56
Maximum horizontal stress, MPa 60 58 62

Young’s modulus, GPa 40 27 40
Poisson’s ratio 0.35 0.25 0.35

Tensile Strength, MPa 3.45 3.45 3.45

Table 2. Input parameters for natural fracture generation.

Parameters Fracture Length, m Fracture Orientation, ◦ Fracture Interval, m

Mean 20 50 6.7
Standard
deviation 0 10 0

Table 3. Input well completion and schedule parameters.

Parameters Cluster
Interval, m

Slickwater
Viscosity,

mPa·s

Gel Water
Viscosity,

mPa·s

Pumping
Rate, m3/min

Total Pumping
Volume, m3

Slickwater
Ratio, %

Well Shut-In
Time, d

Flowback
Rate, m3/d
(Per Stage)

Value 10 5 200 14 1300 40 56 7.0

In this grid model, the generated fracture network is divided into the hydraulic fracture
(HF) and natural fracture (NF). After that, the relative permeability and capillary pressure
curves for matrix (M) and fracture systems are adopted from Chen and Jurus [25,30],
respectively, as shown in Figure 1. Due to the high permeability, the capillary pressure for
hydraulic fracture is ignored. And the PVT parameters of fluids are according to Liao [23].
Then, with the well schedule as shown in Table 3, the fluid flow behavior in the stimulated
reservoir can be described. Here the gel breaking process of fracturing fluid is assumed to
be completed immediately after pumping, so the viscosities of slick and gel water are both
equal to 1 mPa·s.
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2.1.3. Pressure-Sensitivity Model Set Up

To study the fluid flow behavior, the primary task is to illustrate the distribution
of reservoir pressure and saturation fields at the end of the pumping period. Therefore,
oil-water production modelling needs to start with the injection of fluid. Recently, the
pressure-dependent permeability of the matrix has been adopted to improve injection
ability, but this method lacks rationality and overestimates the increase of shale matrix
permeability [31]. Besides, it is hard to describe the key drive mechanism of fracture closure
at the early period of flowback.

In this work, the decrease of matrix permeability with pressure during production is
assigned according to Zhu [32]. For the pumping and flowback periods, a sensitivity model
is proposed to take into account the corresponding change of porosity and permeability
for fracture. This model includes two consecutive paths: (1) fracture dilation process
during injection, and (2) fracture depletion process after injection. Fu indicated that fracture
compressibility (Cf) could be two to three orders of magnitude higher than that of the
matrix [11]. The formula Equations (5) and (6) are used to capture the significant changes
in fracture porosity and permeability [23].

φ f

φ f 0
= eC f Pnet (5)

k f

k f 0
= 10mPnet (6)

where Φf is current fracture porosity; Φf0 is initial fracture porosity; Pnet is net pressure in
fracture, MPa; kf is current fracture permeability, mD; kf0 is initial fracture permeability,
mD; and m is permeability changing factor, MPa−1. The values of Cf and m can be obtained
experimentally, or by data-fit if the experimental conditions are not available. In this paper,
the Cf values of HF and NF obtained by the history-match of the pumping process are both
0.134, and the m values are 0.165 and 0.247, respectively. Also, for the flowback process, the
matched Cf values are 0.016 and 0.033, and the m values are 0.048 and 0.099, respectively.
The results of the pressure sensitivity model for complex fracture are presented in Figure 2.
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2.1.4. Integrated Workflow

As it is currently difficult to accomplish geomechanics and fluid flow mechanism
within one coupled simulation at reservoir conditions, the entire workflow is divided into
two steps (Figure 3). Firstly, with the input reservoir properties and treatment parameters, a
complex fracture network is generated in UFM, and then finely described as an unstructured
grid model. Secondly, the production modelling is conducted to forecast injected-fluid
recovery and well productivity by considering capillary imbibition and pressure sensitivity
in the matrix and fracture systems.
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2.2. Model Validation

Due to the frequent change of choke in the early flowback stage, daily output fluc-
tuates dramatically, which is the main challenge for quantitative validation of simulation
results [22,33]. In this section, the field treatment scale (Table 3) was used to generate
the complex hydraulic fracture (Figure 3). The calculated results were consistent with
the micro-seismic interpretation as shown in Table 4, which verified the suitability of the
proposed model to characterize complex fractures. After that, a trial-and-error method
was carried out to realize the fitting between the actual and the calculated flowback per-
formance. As the initial pressure fluctuation could easily terminate the simulation, daily
liquid production data was adopted to match properly. As shown in Figure 4, the fitted
results were quite acceptable, which proved the applicability and reliability of the pre-
sented workflow. Although acceptable quantitative fitting was completed, it was difficult
to achieve an ideal match at the early and late stages of flowback. Since the choke size is
frequently switched at the early period, higher frequency data is required to capture the
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production performance, which is hard for daily output. Moreover, wellhead pressure
data are generally recorded rather than reliable bottom-hole pressure, which increases
uncertainty for quantitative fitting.

Table 4. Comparison of hydraulic fracture geometry.

Parameters Fracture
Half-Length, m

Fracture
Bandwidth, m Fracture Height, m

Micro-seismic interpretation of
each stage 60~189 50~140 33~68

Average micro-seismic values of
each stage 116.4 93.6 50.7

Calculated results 125.3 89.7 44.6
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3. Simulation Results and Analysis

Different from conventional sandstone, due to the differences in geological features
and fracturing technology, the migration of fracturing fluid in shale reservoirs is more
complex. After stimulation, shale oil wells show different flowback performance from
conventional ones: (1) the flowback efficiency is low and varies widely between wells;
(2) there is a certain negative correlation between oil production and water recovery
(flowback efficiency); (3) controlling cleanup helps increase oil production, etc. Currently,
many discussions have been carried out about the impacts of shale geological factors on
water imbibition and recovery, but the impacts of engineering factors on flowback behaviors
are rarely studied. Therefore, this section applied the proposed models to perform a series
of sensitivity analyses, which quantified the impacts of pumping rate, slick water ratio and
cluster spacing. Furthermore, multi-stage fracture models were established, to investigate
the impacts of stage spacing and flowback rate on water recovery and oil production.

3.1. Pumping Rate

Pumping rate is an important parameter to determine the effect of shale stimula-
tion. Two cases of 12 and 16 m3/min were simulated and compared with the basic model
(14 m3/min). The production lasts for 1 year, and the results of fracture configuration, pres-
sure distribution, flowback efficiency and oil production are shown in Figures 5a and 6a.
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According to Figure 5a, with the increase in pumping rate, the fracture complexity in
the stimulated zone will be improved, leading to a larger contact area between fracture and
matrix. The imbibition is promoted further, resulting in more fracturing fluid remaining in
the matrix pores near the fracture. So, as shown in Figure 6a, when the rate is 12, 14 and
16 m3/min, the flowback efficiency is 33.7%, 30.5% and 23.2%, respectively, indicating that
the water recovery decreases with the increase in pumping rate.

In terms of well productivity, the cumulative oil production increases with the pump-
ing rate, but the growth slows down. As shown in Figure 5a, although the fracture
complexity at 16 m3/min is higher than that at 14 m3/min, the diffusion area of pressure
drop in the two cases is almost equal after one year of production. This is because, with the
same proppant quantity, the redundant natural fractures are difficult to obtain propped
and gradually inactivate.

3.2. Slick Water Ratio

Currently, hybrid fracturing fluids with the alternation of gel and slick water are
widely used during the stimulation treatment of shale reservoirs. Two cases of 0% (cross-
linked gel alone) and 100% (slick water alone) were simulated respectively, compared
with the basic model (40%). The production lasts for 1 year, and the results of fracture
configuration, pressure distribution, flowback efficiency and oil production are shown in
Figures 5b and 6b.

Figure 6b reports that, when the ratio is 0%, 40% and 100%, the flowback efficiency
is 35.3%, 30.5% and 26.1%, respectively, indicating that the water recovery decreases with
the ratio of slick water. This is due to: (1) According to Figure 5b, the fracture complexity
increases significantly with the ratio of slick water, which greatly enlarges the contact area
between fracture and matrix. Thus, the amount of water imbibed and retained in the
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matrix increases. (2) The weak sand-carrying performance of slick water greatly reduces
the fracture conductivity (FCD) located in the oil layer. Figure 7 shows the FCD distribution
of the whole fracture system under the different ratio of slick water. Compared with the
other two cases, the high permeable area near the wellbore shrinks significantly when 100%
slick water is used.
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According to Figure 5b, when the slick water ratio is 40%, the diffusion area of pressure
drop is the largest, followed by 100%, and 0% is the smallest. This trend is consistent with
that of oil production in Figure 6b. Therefore, the slick water ratio may not be the higher
the better, and just like the pumping rate, they all have an optimization interval. As long
as the proppant quantity remains unchanged, the volume difference of the propped HF
under different treatment parameters is often not very large. At this time, the reactivated
NF connected with HF can play a role in increasing the drainage area. However, when the
NFs are too complex, the connection between NFs is often closed due to the lack of effective
support of proppant, resulting in the redundant NFs being unable to maintain long-term
effective conductivity. Therefore, compared with blindly increasing the slick water ratio
to form complex fractures, there may be an optimal ratio of hybrid fracturing fluids to
improve the proppant carrying capacity and ensure that enough NFs are reactivated.

3.3. Cluster Spacing

The spacing or number of perforation clusters are important factors to determine the
complexity of hydraulic fractures, which affect the fracturing fluid distribution and oil
production performance. Within a single fracturing stage with a length of 45 m, three cases
were simulated to compare with the basic case (case1, with 3 clusters and 10 m apart):
(1) case 2, with 4 clusters and 12 m apart; (2) case 3, with 3 clusters and 20 m apart; (3) case
4, with 2 clusters and 30 m apart. The production lasts for 1 year, and the results of fracture
configuration, pressure distribution, flowback efficiency and oil production are shown in
Figures 5c and 6c.

As shown in Figure 5c, with the decrease in cluster spacing, the interference between
fractures becomes more serious, resulting in more complex fractures. However, for multiple
clusters, the expansion of the middle cluster is significantly worse than that of the two
sides. Especially for case 2, the third cluster from the left failed to initiate. Therefore, from
the fracture propagation results, the complexity of case 3 is not much different from that of
case 2, and the stimulation near the well bore of case 4 is the worst. Likewise, the results of
flowback efficiency and oil production are similar in case 2 and case 3, while the flowback
efficiency in case 4 is the highest and the single well productivity is the lowest, as shown in
Figure 6c.

The results indicate that the properly decrease of cluster spacing is conducive to
increasing the contact area between fractures and matrix. But when the cluster spacing is
less than 20 m, the interference may affect the stimulation effect. By comparing case 1 and
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case 3, it can also be realized that the decrease in cluster spacing is not conducive to oil
production when the number of perforating clusters is the same.

3.4. Stage Spacing

Stage spacing also affects the flowback and production performance in shale oil
reservoirs. Within a horizontal interval length of 225 m, three cases were simulated: (1) case
1, with 5 stages and 45 m apart; (2) case 2, with 4 stages and 56 m apart; and (3) case 3,
with 3 stages and 75 m apart. Figure 8 shows the results of complex fracture propagation
under different stage spacing. It can be seen that: (1) In all cases, the sum of single stage
stimulation width is wider than the corresponding whole well stimulation width, indicating
that the fracturing area of each stage has a certain degree of overlap. (2) With the decrease
of spacing, the degree of overlap becomes higher. Moreover, compared with case 2, the
overall fracture complexity of case 1 is relatively close, and only the local area near the well
bore is more fully stimulated.
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Figure 9a shows that: (1) the load-recovery efficiencies of the three cases are 25.8%,
28.6% and 32.2%, respectively, which increase with the stage spacing. (2) Conversely, the oil
production increases with the spacing narrowing, but the growth slows down. Furthermore,
the average cumulative oil production of each individual stage is 447.7 m3, 509.8 m3 and
519 m3 for the three cases, indicating that the production contribution of a single stage is
positively correlated with its spacing. This is because, although the fracture complexity
increases obviously with the reduction of stage spacing, the stimulation and drainage area
of the individual stage is narrowed down accordingly.
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As shown in Figure 10a, the diffusion area of pressure drop in case 3 is the smallest,
while those in the other two cases are relatively close after one year of production. It
follows that for multi-stage fracturing treatment, reducing the stage spacing can improve
productivity to some extent. However, if the total length of horizontal interval remains
unchanged, it also means an increase in the number of fracturing stages, resulting in a
rising fracturing operation cost and tool cost. Therefore, the design of stage spacing is not
the smaller the better, and needs to be combined with the actual reservoir conditions.
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3.5. Flowback Rate

The fracturing fluid recovery is controlled by the adjustment of choke size. Slow-back
with a small choke size may delay the payback point, while fast-back with a large choke
size may damage the fracture conductivity or matrix permeability [34]. To demonstrate the
impact of choke size on well performance, three cases with different flowback rates of 35,
55 and 75 m3/d were simulated.

Figure 9b shows that: (1) After 1 month of production, both the water recovery and
cumulative oil production increase almost linearly with the flowback rate. (2) After 1 year
of production, the water recovery is still positively correlated, while the oil production
is negatively correlated with the flowback rate. This reversal is due to the fact that the
fast-back will force fracture closure to accelerate, and the flowback fluid is mainly water,
which has not yet entered the deep matrix. Thus, the pressure depletion will be excessively
consumed in water recovery, which is not conducive to later oil drainage. Additionally,
according to Figure 10b, the pressure depletion near the well bore increases with the
flowback rate, resulting in gradually significant damage to fracture conductivity and matrix
permeability. Therefore, it is suggested to adopt a slow-back mode with a small choke size
when designing the cleanup schedule of shale oil fractured wells.

4. Conclusions

Based on the typical data of a shale oil fractured well, a series of numerical models cou-
pling complex fracture propagation and flowback simulation were established. The history
match of the basic model verifies the adaptability of the proposed workflow. Accordingly,
the distributions of pore pressure and fracturing fluid underground during the pumping,
cleanup and production periods are accurately described, which provides a reliable basis
for the study of oil-water production performance.

Pumping rate, slick water ratio and cluster spacing all affect the flowback efficiency
of shale fractured wells, which is mainly reflected in the complex fracture configuration
differences formed under these engineering factors, thus changing the distribution law
of fracturing fluid in the formation. With the increase in pumping rate, water recovery
decreases and oil production increases. The flowback efficiency increases with the increase
of the slick water ratio, but from the perspective of productivity there is an optimal ratio
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for hybrid fracturing fluid. Significant fracture interference may occur if the perforation
clusters are too dense, so the cluster spacing is not the smaller the better.

With the decrease of stage spacing along the horizontal well, the fracture merging
between adjacent fracturing stages becomes more significant. Thus, the fracture complexity
increases and the water recovery decreases accordingly. Single well productivity increases
with the decrease of stage spacing, but the increase gradually decreases. When the total
length of the horizontal well remains the same, considering the cost of fracturing operations
and tool use, the interval design is not the smaller the better, but needs to be combined
with the actual reservoir conditions.

For the schedule of flowback in shale fractured wells, the slow-back mode should
be adopted. This is because fast-back will cause the supplementary formation pressure
during fracturing to be excessively consumed in the subsequent water recovery. It may also
cause significant pressure-sensitive damage in the near-well area, which is not conducive
to long-term production.
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